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Small-Signal Stability Effects of Turbine Governors on Power
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Abstract - This paper investigates the small-signal stability
effects of coordinated turbine governors tuning on power
systems with large-scale penetration of wind and in the presence
of load disturbances. A case study is presented where the effects
of the turbine governor are evaluated in the presence of a 20%
increase in load active and reactive power for the IEEE 14-bus
system. Results suggest that tuning the turbine governors in the
presence of wind power generation may improve significantly
the small-signal stability of an interconnected system.

I. INTRODUCTION
The dynamical behavior of a power system is mainly
determined by the dynamics of its generating units.
Conventional thermal power plants are typically represented
by synchronous generators, while modern wind power
generators are represented by induction generators.
Synchronous generators usually have various distributed,
local frequency and voltage controllers connected to them at
the power system bus level. Overall, the purpose of the
controllers are to maintain synchronism and system stability
when the system is subject to disturbances [1]. The largescale integration of wind power into an electric grid will
impact the dynamics of the system since the interaction of
induction generators with it will be different from that of
synchronous generators [2]. This may alter the effects of the
synchronous generator controllers, potentially causing the
need to re-adjust or re-tune them.
The focus of this paper is on frequency control. The primary
frequency controller of the synchronous generator is the
turbine governor (TG) [3]. The effects of the turbine
governor controllers on conventional power systems
consisting only of synchronous generators are well known,
and a summary of these effects is presented in the following
section. After understanding these effects, the equations are
extended to include the introduction of power generated from
doubly-fed induction generators (DFIGs) in order to analyze
the small-signal stability of an interconnected power system
in the presence of wind penetration.
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Details of the models considered for the different generators
and a model for the turbine governor are provided in Section
II. Techniques for tuning the controllers in the presence of
both synchronous and induction generators are also presented
in Section II. In Section III, the various device models are
unified into a system model which is then analyzed for
small-signal stability in the presence of different
disturbances. Finally, in Section IV, the IEEE 14-bus test
system is taken as a small-signal stability analysis case study.
A number of scenarios involving turbine governors of
variable droop gain are systematically studied in the presence
of large-scale wind penetration and a 20% increase in active
and reactive power demand.
II. MACHINE AND CONTROLLER MODELING
This section summarizes the machine models for
synchronous generators and doubly-fed induction generators
(DFIGs) for representing thermal generating units and wind
turbines respectively. The models for the associated
controllers:
turbine governor for frequency control,
automatic voltage regulator (AVR) voltage control are also
discussed.
A. Synchronous Machine Model
Synchronous machine models of varying sophistication and
detail have been reported in the literature[4–6]. Here, we
adopt the 6th order classical model [7]. This can be described
by four differential equations for transient and sub-transient
voltages [6] as well as
(1)
δ! = Ωb (ω − 1)

ω! =

( pm − pe − D(ω −1))
2H

(2)

where δ is the rotor angle, ω is the rotor speed, Ω b is the
base frequency, p m and p e are the mechanical and electrical
powers respectively, D is the damping coefficient and H is
the inertia constant.
In addition to the six differential equations, the machine
model also has six algebraic equations in the following
variables: active power p, reactive power q, bus voltage
magnitude v, bus voltage angle θ , mechanical power pm and
field voltage vf. In order to interface with controller device
models, auxiliary equations for the field voltage vf and the
mechanical torque τ m are defined below:

0 = τ m0 − τ m , 0 = v f 0 − v f

(3)

where τ m0 and vf0 are the synchronous machine initialized
values. The synchronous machine algebraic equations are
initialized using results from the power flow analysis.
For the purposes of studying the effects of frequency control,
a synchronous generator can be represented as a large rotating

mass with two opposing torques, acting on the rotation [3].
Intuitively, the electrical torque, τe communicates the inertia
of other generators through the power grid while the
mechanical torque τm locally acts as the prime mover. When
τe and τm are equal in magnitude, ω is constant. However, a
disturbance on the system can cause the electrical load to
increase. The system will no longer be in equilibrium as τe
will become greater than τm, and the entire rotating system
will start slowing down. In order to restore equilibrium,
frequency controllers are needed.
B. Synchronous Generator Controller Models
The main purpose of this section is to discuss primary
frequency control using the turbine governor. Although
voltage control is not the primary focus of this paper, a brief
discussion of the AVR is essential since it is incorporated in
the system model and case study.
1. Turbine Governor (TG)
Load changes can cause the system frequency to drift outside
acceptable limits. The purpose of the frequency governing
mechanism is to sense the machine speed and adjust the input
valve in order to change the mechanical power output.
Ideally, this adjustment will compensate for the load changes
and restore the frequency back to its nominal value.
Mechanical power and mechanical torque are related
through p w = ω mτ m .
The turbine governor is the primary frequency controller for a
synchronous machine. Its implementation is purely local. This
means that there is no coordination between different
generating units in a system with multiple synchronous
generators. Figure 2 shows a simplified model of a
synchronous machine’s primary frequency control where the
transfer function G(s) depends on the type of turbine and on
the control.
In steady state conditions,
1
(4)
lim G ( s) =
s −> 0
R

indicate that 3% regulation for a unit would create a 3%
change in the frequency for a machine running at rated power.
In the event of a load disturbance, ΔP will increase. This
increase will result in the need to tune the value for R if
system constraints require the change in frequency to stay
within a certain range. In general, R is typically set on each
generating unit so that a change in rated output will result in
the same frequency change for each unit [3]. Typical machine
values for R range from 0.02-0.05 [4],[8].
Almost all interconnected power systems have multiple
generating units, so it is important to understand the effect
when there are multiple turbine governors in a given system.
In this case, (5) can be re-written as [3]
ΔP
.
(6)
Δω =
1
1
1
+
+ ... +
R1 R2
Rn
Here, it is assumed that each of the n generating units have a
turbine governor with a particular droop value Ri . Typically,
each droop gain is set proportional to each unit’s rated output
so that each synchronous generator change of output results in
the same frequency change. Based on (6), the change in
frequency is mitigated as the number of turbine governors is
increased. This means that a system with multiple turbine
governors can better regulate a sudden increase in load than a
system with less turbine governors. A simplified turbine
governor model is shown in Figure 3.

Figure 3: Turbine Governor Model [4].

where ω ref is the reference speed, R is the droop gain, T1 and

T2 are the transient and governor gain time constants
respectively, p m0 and pm are the initial mechanical and
mechanical powers respectively, and p max and p min are the
maximum and minimum output power respectively.
The turbine governor can be modeled as a first order system
with the following differential and algebraic equations [4]
⎛1⎛ T ⎞
⎞
(7)
x! g = ⎜ ⎜⎜1 − 1 ⎟⎟ ωref − ω − x g ⎟ T2
⎜R
⎟
⎝ ⎝ T2 ⎠
⎠
1 T1
(8)
p*m = x g +
ω ref − ω + p m0
R T2

(

Figure 2: Primary Frequency Control Block Diagram[4].

where R is the effect of droop on the regulation. R determines
the per unit change in rated power output, ΔP, for a given
change in frequency as shown in (6) below:
Δω
.
(5)
R=
ΔP
It is important to note that ΔP is set to 1 pu in steady-state,
giving a direct proportion between the droop and the change
in frequency. Unit regulation is often discussed in
percentages, and an example using the above equation would

)

(

where

)

x g is an auxiliary variable denoting the state of the

turbine governor. The link between the TG model and the
synchronous machine model is the initialized variable
p m0 that can be substituted into (3).
2. Automatic Voltage Regulator (AVR)
The automatic voltage regulator is the synchronous machine’s
primary voltage regulator. There are several different AVR

models in the literature [4]. Here, a simple AVR model is
summarized for usage in the stability analysis. Figure 4 below
shows a simplified conceptual model of a synchronous
machine’s primary voltage control. Essentially, the system’s
stability is determined by the AVR gain K 0 .

The wind speed is an input to the rotor model. The equation
of motion for the rotor modeled as a single shaft is described
by the following first-order differential equation:

ω! m =
where

τ m −τ e
2H m

(12)

H m is the inertia constant of the rotor.

D. Turbine Governor Control in the Presence of Synchronous
Generators and DFIGs
Figure 4: Simple model of a machine’s primary voltage control

Every AVR model has the following two algebraic equations
(9)
0 = v0ref − v ref , 0 = v%f − v f
where the first half of (9) defines the AVR reference voltage.
Here, the reference voltage explicitly is defined as a variable
because it is used by secondary voltage control devices such
as the power system stabilizer. The second half represents the
link between the synchronous machine and the AVR. This
equation can be substituted back into (3) to obtain a unified
model for the synchronous machine and the AVR.
AVR models typically include a lag block for capturing the
bus voltage measured delay. This is described by the
following differential equation:

vh − vm
(10)
Tr
where vm is the state variable used as a voltage signal within
the AVR, vh is the generator bus voltage, and Tr is the
measurement block constant. A simple AVR model is shown
in Figure 5 .
v!m =

Figure 5: AVR Model [4].

The model above can be described by (9)-(10) and (11) below
[4]:
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Here T1 and T2 represent the regulator zero and pole
respectively, K0 is the regulator gain, and Te and Tr are the
field circuit and measurement time constants respectively.
C. DFIG Wind Turbine Model and Associated Controls
The wind speed can be modeled in many different ways.
Here, a Weibull distribution is assumed to take into account
the constant variation around a nominal wind speed [4].

Unlike synchronous generators, doubly-fed induction
generators do not have turbine governors. Therefore, the
DFIG’s power output should be taken into account in the
event of a load disturbance since some of the additional load
will be absorbed by the power generated from it. PTOT0 is
taken as total rated power of the system; the sum of the total
rated power of each machine with turbine governors, PY0, and
the total rated power of machines without turbine governors,
PN0.
(13)
PTOT 0 = PY 0 + PN 0 .
In steady state, PTOT0 will equal the load power PL0, assuming
generation and demand are matched. In the event of a
disturbance, PL0 will increase by some amount, ΔPL . This is
described by
(14)
PL = PL0 + ΔPL
where PL is the load power with the disturbance. If the
machines are assumed to share the added load proportionally,
then the added amount of power required from each of the
types of machines can be described respectively by the
following two equations:
P
P
(15)
ΔPY = Y 0 ⋅ ΔPL , ΔPN = N 0 ⋅ ΔPL
PTOT 0
PTOT 0
Equation (6) can then be updated where ΔP = ΔPN + ΔPY as
shown below:
ΔPN + ΔPY
(16)
Δω =
1
1
1
+
+!+
R1 R2
Rn
It is best to use per-unit quantities when solving for the
equation above. Equation (15) shows that the substitution of
induction generator units to synchronous generator units in
the system will increase PN and decrease PY. Assuming the
droop values of each of the synchronous generators stay
constant, this will have a positive effect as the change in
frequency will decrease due to the decrease in the change of
load power acting on the synchronous generators with
turbine governors. Effectively, the turbine governors
collectively must account for the new generation and inertia
introduced by the DFIGs.
III. SYSTEM MODEL AND ANALYSIS TECHNIQUES
The non-linear differential and algebraic equations that
represent the individual device models for the machines and
controllers can be combined to create a system model. The
general equations are shown below [10].

⎡ x ⎤ ⎡ f (x, y,u) ⎤
(17)
⎥
⎢ ⎥=⎢
⎣0 ⎦ ⎣ g(x, y,u) ⎦
where x is the vector of state variables that typically include
the machine model dynamics and controller dynamics, y is
the vector of algebraic variables that typically include the
algebraic equations associated with the machine models and
the power flow equations, and u is the vector of control
variables. The function f is a nonlinear vector function that
represents the system differential equations, and g is a vector
function that represents the system algebraic equations.
There are two main types of analysis techniques that can be
used to evaluate a power system’s stability: small-signal
stability analysis and transient stability analysis. The method
of analysis chosen primarily depends on the type of
disturbance being imposed on the system. This paper focuses
on the systems’s response to a small disturbance and hence
uses small-signal stability analysis.
A. Small Signal Stability Analysis
As discussed earlier, small-signal stability analysis deals
with the ability of a power system to maintain synchronism
under small disturbances. An example of a small disturbance
is an increase in active and reactive power loads. The
disturbances are considered to be sufficiently small such that
the non-linear system differential equations can be linearized
about an operating point. Modal or eigenvalue analysis can
then be performed to evaluate system stability based on the
location of the system poles.

singular, then a singularity induced bifurcation point occurs.
More details on this exception can found in [4]. The
eigenvalues of the Asys matrix are then analyzed for stability.
The system is considered locally stable about the equilibrium
point if all of the system’s eigenvalues are in the left-half
plane, i.e. all of the eigenvalues have a negative real part.
The system is considered unstable if there are any
eigenvalues in the right-half plane. It is important to note that
there is an exception where zero eigenvalues exist while the
power system is still considered stable. This can occur for
two reasons: either there is no infinite bus, and the rotor
angles are instead referred to a common reference frame, or
an assumption is made that generator torques are independent
of speed deviation [11].
In addition to eigenvalue analysis, the step response of the
linearized system can also be analyzed to get a graphical
representation of the system over time in order to see how
long it takes for the system to reach a steady state and to see
the oscillatory behavior of the system when subject to a step
disturbance.
IV. CASE STUDY: IEEE 14-BUS SYSTEM

Linearization is done by approximating (17) using the first
term of the Taylor series expansion at an operating or
equilibrium point (x0,y0,u0). This leads to the following
expression
⎡ Δx ⎤
⎡Δx! ⎤ ⎡ Dx f D y f Du f ⎤ ⎢ ⎥
(18)
=
⎢ 0 ⎥ ⎢ D g D g D g ⎥ ⎢ Δy ⎥
y
u ⎦
⎣ ⎦ ⎣ x
⎢⎣Δu ⎥⎦
where each of the D terms represent the Jacobian matrices of
the vector functions with respect to the x and y variables at
the operating point. The deltas represent small increments
with respect to the operating point as shown below:
(19)
Δx = x − xo ; Δy = y − yo ; Δu = u − uo
The differential and algebraic equations presented in Section
II are combined into the state-space representation
Δx = Asys Δx + BΔu
(20)
where x is the vector of state variables, u is the vector system
inputs, Asys is the system state matrix, and B is the input
matrix. Based on the system models discussed in the
previous section,
x = [ xsynch,i xAVR,i xTG, j xDFIG,k ]T , u = [uAVR,i uTG, j ]T

where i = [1, 2,..., nsynch ] and j = [1, 2,..., nTG ] .
It is assumed that every synchronous generator has an AVR
attached to it, but does not necessarily have a TG attached to
it. Asys and B are computed using the following equation
(21)
Asys = Dx f − Dy f (Dy g )−1Dx g , B = −D y f (D y g )−1 Du g
where it is assumed that Dyg is non-singular. If Dyg is

Figure 6: IEEE 14-Bus System

The IEEE 14-bus system shown in Figure 6 is a common
benchmark used to evaluate the impact of various
disturbances on power systems. In the system, buses 1 and 2
are synchronous generator buses that provide active power to
the 11 loads in the system. 615 MW of power are generated
at bus 1, and 60 MW of power are generated at bus 2.
Synchronous compensators are located at buses 3, 6, and 8,
and they either generate or absorb reactive power based on
the balancing needs of the system. Details on all of the IEEE
14-bus system parameters can be found in the appendix of
[4].
Here, this study evaluates the impact that a power system
with deep penetration of wind has on the small-signal
stability of the system before and after various turbine
governor controllers have been applied. DFIG wind turbines
are connected to buses 1 and 2 with 50% power penetration.
This equates to 307.5 MW of rated wind power at bus 1 and

Step Response of ω at Bus 2 With and Without TGs
with No Disturbance Applied to System

30 MW of power at bus 2. The remaining power is generated
using synchronous generators.

Without TGs
With TGs
0.02

0.01

0

pu

In order to analyze small-signal stability effects, each load’s
active and reactive power is increased by 20%. In each case,
it is assumed that the AVR gain remains constant in order to
focus on the turbine governor effects of the system. The
example is analyzed and simulated using the power systems
analysis toolbox (PSAT) and controls toolbox within
MATLAB [12].
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Figure 8: Bus 2 Step Response Comparison – With and Without TGs
with No Disturbance Applied to System

A. Small Signal Disturbance Effect
The 20% increase in load active and reactive power creates a
drop in bus voltage across the system. The drop in bus
voltage can be seen from the results obtained by doing a
power flow analysis in Table 1 below.

Step Response of ω at Bus 1 With and Without TGs
With Load Disturbance Applied to System
0.015
With TGs
Withouth TGs
0.01

0.005

Bus Voltage (p.u)
1.06
1.045
1.01
1.012
1.016
1.07
1.0493
1.09
1.0328
1.0318
1.0471
1.0534
1.047
1.021

Bus Voltage (p.u)
1.06
1.045
1.01
1.005
1.01
1.07
1.0429
1.09
1.0231
1.0222
1.042
1.05
1.042
1.009

Table 1: Bus voltages before and after applied disturbance

Step-response simulations are presented in order to show the
various effects of the turbine governor on the frequency of the
synchronous generators. Figures 7 and 8 below show the
response comparing the effects before and after the inclusion
of turbine governors into a system with no load disturbance.
The inclusion of turbine governors has a strong effect on the
damping of oscillations. The same is true in Figures 9 and 10
where the 20% load disturbance is applied to the system. As
compared to Figures 7 and 8, Figures 9 and 10 show that the
load disturbance has the effect of increasing the amplitude of
the oscillations.
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Figure 9: Bus 1 Step Response Comparison – With and Without TGs
with Load Disturbance Applied to System
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Figure 10: Bus 2 Step Response Comparison – With and Without TGs
with Load Disturbance Applied to System

The eigenvalues of the system can also be compared to
determine the effects of the turbine governors on the
movement of the poles with respect to the imaginary axis.
The table below compares the eigenvalues of the load
disturbance case described above when no turbine governors
are applied and after they are applied with an R value of 0.05.
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Figure 7: Bus 1 Step Response Comparison – With and Without TGs
with No Disturbance Applied to System

ωsynch1
ωsynch1
ωsynch2
ωsynch2

Without TGs

With TGs

Real

Imag

Freq
(Hz)

Real

Imag

Freq
(Hz)

-0.15
-0.15
-2.45
-2.45

3.44
-3.44
9.28
-9.28

0.55
0.55
1.53
1.53

-0.83
-0.83
-4.13
-4.13

2.50
-2.50
7.06
-7.06

0.42
0.42
1.30
1.30

Table 2: Eigenvalue Analysis Comparison – Power System with Load
Disturbance With TGs vs Without TGs

Next, the effects of using different droop gain on the system
are studied. Figure 11 below shows the variation in effect
when R = 0.02 is used compared to R = 0.05. It is evident

that a lower droop will have a more positive effect on the
damping of the system.
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As shown in Table 3, the difference of 3% in the droop gain
substantially affects the eigenvalues of the two cases.
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Figure 12: Bus 2 Step Response Comparison – Case 1 vs Case 2

20

V. CONCLUSION

Figure 11: Bus 2 Step Response Comparison – Droop of 0.02 vs 0.05

State
Variable

0

Imag

Freq
(Hz)

5.71
-5.71

3.66
3.66

Table 3: Eigenvalue Analysis Comparison of Power Systems
with Different Droops

This can be expected since frequency and droop are directly
proportional based on (5). A tighter regulation would equate
to less frequency deviation allowed in the system for the
same load disturbance.
Finally, we look at the effect of tuning the droop based on
the methodology discussed in Section II Part D. The system
is assumed to operate under a frequency deviation, Δω, of
0.025 pu, and that this frequency deviation will hold true for
all cases. In Case 1, the synchronous generators generate all
of the power. In Case 2 induction generators are included at
50% power of the conventional synchronous generation. For
Case 1, the turbine governors are initially tuned to a droop
value of 0.05 for a steady-state power output in order to
make (6) valid. In the event of a 20% load disturbance on
the original system, the droop value would need to be tuned
to 0.0417 to satisfy (6). Equations (15-16) are used to solve
for Case 2 when the wind power is introduced. Based on the
equations, ΔPY = 0.1, ΔPN = 0.1, and R would need to be
tuned to 0.0455 to provide a frequency deviation of 0.025 pu.
Figure 12 below shows the step response comparison of the
synchronous generator frequency at bus 2 for the two cases.
We can see that the tuned TGs with the integration of wind
dampen the system more favorably than in the first case
where tuned TGs are applied to a system with only
synchronous generators.

This paper has studied the small-signal stability effects of the
synchronous generator turbine governors in the presence of
wind power generation. It is observed that the wind power
generation may be beneficial to the overall small-signal
stability of the interconnected power system, and that the
stability can be further enhanced by tuning the turbine
governors to account for the substitution or addition of rated
wind power in the system. The practical implementation of
this new tuning mechanism would require information
sharing of DFIGs with conventional thermal generators; most
likely via the respective power system utility or independent
system operator.
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